An optimisation strategy to maximise the CO 2 storage capacity utilisation of a deep saline aquifer is presented in this paper. This was achieved by a scenario of simultaneous CO 2 injection and brine production within the Forties sandstone. The optimisation was performed using the SIMPLEX and Generalised Reduced Gradient algorithms and the assistance of surrogate modelling techniques. Results have shown that, by using five brine production wells producing up to 2.2 Mtonnes/year, the CO 2 storage capacity of the reservoir can be increased by 125% compared to when no brine production is used. It is also observed that pressure constraints are the main limiting factors controlling further CO 2 injection.
Introduction
Geological storage of CO 2 is regarded as a viable technique for achieving carbon dioxide emissions abatement and helping tackle climate change. The storage of CO 2 can be achieved by injecting CO 2 into deep saline aquifers, depleted hydrocarbon fields, or even deep unmineable coal seams [1] . The geological structure where CO 2 is injected must be carefully chosen to ensure long term storage security, avoid migration outside the chosen license boundaries or into the neighbouring hydrocarbon fields in the case of depleted hydrocarbon reservoirs. The presence of a sealing caprock and a geological trap are essential for these purposes.
Besides monitoring the extent of CO 2 plume growth, it is also important to monitor the pressure build up caused by the injection, in order to ensure caprock integrity and avoid potential leakage of fluids. For this reason, pressure management is of special importance, particularly in cases where the storage site is proven to have a high storage capacity and low leakage risk. In such cases, pressure build up is the significant limiting factor [2] . Therefore, if it is possible to lower the pressure while injecting CO 2 at the same time, the CO 2 storage capacity utilisation should increase.
As saline aquifers have by far the biggest carbon dioxide storage potential [3] , this study focused on CO 2 storage in saline aquifers and aimed at investigating the potential for optimising storage capacity utilisation in a heterogeneous deep saline aquifer by simultaneous brine production while injecting CO 2 . The CO 2 injection and brine production rates were considered as the decision variables when optimising the storage capacity. The storage site studied corresponds to the geological traps where the Forties and Nelson fields are located. These were assumed as pure saline aquifers. The geological model domain and initial attributions used are described in detail in two previous publications [4, 5] . Eight possible well locations for CO 2 injection and five possible well locations for brine production were considered in the analysis.
In order to obtain the desired optimal rates, the problem was first formulated analytically with the aid of surrogate models and reservoir simulations performed in Schlumberger's ECLIPSE E300 compositional simulator with CO2STORE option for CO 2 storage in saline aquifers, and then the optimisation was performed using either the SIMPLEX or Generalised Reduced Gradient methods depending on whether the ensuing problem was linear or nonlinear. Results have clearly indicated that brine production increases CO 2 storage capacity utilisation. Fig. 1 illustrates the location of the study area in the UK sector of the Central North Sea. This paper considers both the Forties and Nelson fields assuming them as pure saline aquifers. The two stratigraphic traps originally contained hydrocarbons and have been exploited for oil production. Published information and stratigraphic data from relevant studies [4] [5] [6] [7] [8] have been used to prepare an accurate saline aquifer model. As the Nelson Field originally had a tilted oil-water contact, which suggests pressure communication between the Nelson and the Forties fields [6] , CO 2 injection was simulated in both traps at the same time. The geological model used in this paper was adapted from a previous research carried out by the authors [4, 5] at Imperial College. The reservoir is divided into 8 zones, and considers a top seal rock referred as the 'Charlie shale' [7] , and a continuous mudstone layer which separates the reservoir into 'upper' and 'lower' sands as described by Kunka et al. [6] . These two barriers to vertical flow ( Fig. 2) , are important in a CO 2 storage scenario as the CO 2 is expected to migrate upwards in the vertical direction forming plumes beneath these two permeability barriers. The static geological model captures and represents the complex heterogeneities present within this submarine fan environment. The reservoir model was constructed in three steps: (a) modelling of the amalgamated channels in the fairways, (b) modelling of the interchannel areas, and (c) attribution of the static model with petrophysical properties. Details on how these steps were implemented can be found in Babaei et al. [4] , and were based on the publications by Kunka et al. [6] and Wills [8] . Table 1 presents the petrophysical properties used in model attribution. The geological model used has a horizontal resolution of 150 × 150 m based on the findings of Babaei et al. [4] , and has 3,112,356 active cells with an average vertical thickness of 6.7 m. A vertical grid refinement was implemented in the top layers in order to capture accurately the CO 2 plume extent, resulting in thicknesses of up to 1.6 m in those layers. To represent the pressure response of the Forties sandstone connected to the model boundaries, a pore volume multiplier was applied on the boundary blocks of the model following the calibrations performed by Babaei et al. [4] . Aquifer properties were obtained from Kunka et al. [6] and Wills [8] and, in the absence of it, from neighbouring aquifers within the Forties sandstone, or default values from ECLIPSE E300. Brine was set to be a mixture of H 2 O and 3% NaCl in mol fractions [6, 8] . For these simulations, the capillary pressure and relative permeability curves were calculated using the Brooks-Corey relationships, and the experimental data obtained by Krevor et al. [9] from a Berea sandstone core sample. These sets of curves were selected because this core sample had the closest average porosity and permeability values to that of the Forties and Nelson reservoirs amongst the samples that have been experimentally tested for CO 2 -brine relative permeabilities to date.
Geological model and injection simulation
Each injection simulation was run in a Windows based operating system with an Intel Core i7-2600 3.40 GHz CPu and 16.0 GB RAM. Depending on the injection and production rates, each 40 year simulation took between 800 and 1,300 minutes, without parallelisation.
Optimisation approach
As decision variables, the optimisation considered the CO 2 injection rates for each injection well and the brine production rates for each production well. Each was assumed constant throughout the optimisation time frame that was set to be 40 years. As the problem considered eight CO 2 injection wells and five brine production wells, this resulted in 13 decision variables. The location of the injection and production wells is displayed in Fig. 2 . The objective function was defined as shown in Eq. 1:
where Q CO2 , i is the rate of CO 2 injection for the well i measured in MMtonnes/year. This function maximises the amount of CO 2 injected in the reservoir, aiming at maximising the CO 2 storage capacity utilisation of the aquifers. The CO 2 storage scenario considered was constrained by:
1. The caprock fracture pressure should not be reached at any time in order to avoid CO 2 leakage. To secure this the following pressures were monitored and kept below the fracture limit as: a. The pressure below the caprock right next to the injection wells. b. The pressure at the top of the five domes of the saline aquifer as suggested by Williams et al. [11] . For the previous, it was assumed that the highest pressures at any point in the aquifer would be reached by the end of the injection period. An additional safety margin of 10% of the fracture pressure was implemented, as suggested by [12] . This is expected to help consider the effects of heterogeneity and grid resolution. The previous can be expressed analytically as follows:
where , is the pressure at location i, just below the caprock at the end of 40 years injection period. The values of were calculated using a fracture gradient of 16,965.4 Pa m -1 [12] and the depths of the reservoir top/caprock base for each location.
2. The bottomhole pressure should not exceed 1.5 times the initial pressure. 3. The CO 2 plume distribution must be contained within the licence boundaries, which were assumed to be the model domain. Although the injection period considered was forty years, additional 1,000 years of observation period were be simulated to establish the behaviour of CO 2 plume distribution after the end of injection as suggested by Gammer at al. [13] and in line with the IPPCC recommendations [14] . 4. The rates of CO 2 injection and brine production must be within feasible ranges, therefore:
For the CO 2 injection rates, the upper boundary was selected from an analogue CO 2 storage project analysed by a report for the ETI [12] , and by considering a tubing size of 7 inches. Whereas the lower boundary was set at 0.3 MMtonnes/year, which was suggested as the minimum rate required for economic purposes [15] . For the brine production rates, the upper boundary was selected by considering the maximum water injection rates achieved per well in the Forties field [16] .
As a result, the only factors that could affect the pressure were the CO 2 injection and the brine production rates, therefore, surrogate models that relate those rates with the pressure described in the first and second constraints were created. All other factors that could influence pressure were kept constant. The surrogate models were constructed considering the pressure outputs of a hundred different scenario simulations, where each scenario was created selecting values for the 13 decision variables within the ranges described in the fourth constraint, and using the Halton points technique, which is known to have a good space filling in high space dimensions [17] . Three different surrogate modelling techniques were used to predict the pressures required by constraints 1 and 2: linear regression, regularised linear regression, and a multivariate adaptive regression splines (MARS). Once the surrogate models were obtained, the optimisation was performed using the SIMPLEX method when the constraints were linear, and the Generalised Reduced Gradient (GRG) method when the constraints were non-linear. Table 3 shows that, although the optimisation was performed using different surrogate models to predict pressure build up, the resulting optimal values were similar. Even though the total amount of CO 2 injected is slightly higher in the optimisation performed using the MARS surrogate models when simulating the resulting optimal rates, the bottomhole pressure of well 3 resulted slightly higher than the allowed maximum after forty years of injection; all the other constraints were met. But when the optimisation was performed with the rates obtained using the linear regression and regularised linear regression surrogate models instead, all constraints were successfully met. Taking this into account, the solution obtained using the linear regression surrogate models is the one considered as optimal. Fig. 4 shows the resulting CO 2 plume distribution after simulating these optimal rates for forty years. It is also shown in Table 3 that, if brine production is allowed with five wells in a scenario, the maximum CO 2 that could be injected increases by 125%, a benefit that occurs mainly due to pressure reduction gains. Furthermore, if brine production is not allowed, not all of the eight injection wells can be utilised, while if brine production is allowed, all of the injection wells are utilised. By analysing which of the constraints stated in the optimisation approach are reached in the optimal solution, an interesting insight into what is limiting the injection of additional amounts of CO 2 can be obtained. After simulating the optimal rates obtained using each surrogate model, little difference in the resulting CO 2 plume distribution was seen. Moreover, in all three cases the CO 2 plume was contained well within the model domain and no CO 2 breakthrough was observed during the injection period in any of the brine production wells, indicating that the risk of CO 2 leakage is not limiting further injection. Additionally, 1,000 years of observation period was simulated for rates obtained using the linear regression surrogate models, showing also that the CO 2 plume is not expected to expand. Table 4 further indicates that the bottomhole pressure limit of wells 2 to 7, and the fracture pressure limits at the top of the dome 1, and below the caprock in well 3 would be limiting further CO 2 injection. In Table 4 it is also shown that the injection rate for W8 is the maximum allowed, furthermore, the brine production rates for all of the production wells are the maximum allowed, suggesting that if the upper limits set in the constraint (4) are increased, further CO 2 injection would be possible. Finally, it is worth noting that the surrogate models used in this research successfully predicted the pressure outputs after forty years of injection, verifying that the optimisation pursued in this work can effectively be obtained with the aid of surrogate models to predict pressure build up. If it is considered that for creating these surrogate models a 100 simulation runs were required, and that Babaei et al. [4] , who optimised CO 2 injection rates in the same location using genetic algorithms, needed 800 simulations to reach the optimum solutions, a significant gain in computational efficiency was achieved. Especially when it is considered that each simulation took around 24 hours in the previous study.
Results

Conclusions
A scenario of simultaneous CO 2 injection and brine production has been considered in the region of the Forties and Nelson fields and the surrounding aquifer, assuming the whole domain as a pure saline aquifer. Following the work of Babaei et al. [4] , the static geological model and location of the eight CO 2 injection wells were identified. Five additional brine production wells were chosen from the existing wells. Apart from considering the storage of CO 2 in a heterogeneous channelised aquifer model, real CO 2 -brine relative permeability curves [9] were used to approximate the scenario to reality. The objective was to perform a rate optimisation in order to maximise the CO 2 capacity utilisation. The former was achieved in two stages, the first was to model the problem analytically, specifically the pressure buildup responses by the end of the simulation period using surrogate models. The second stage was to use the obtained analytical model to perform the optimisation using the SIMPLEX and Generalised Reduced Gradient algorithms depending on whether the constraints were linear or non-linear.
The results have shown that the linear regression and regularised linear regression surrogate models successfully predicted and helped to meet all the pressure constraints, which was confirmed after simulating in the aquifer the optimal rates obtained for forty years. This proved that optimisation is possible with the aid of surrogate models to predict pressure buildup with a significant increase of computational efficiency compared to iterative optimisation algorithms such as genetic algorithms. Results have also shown that, by allowing five brine production wells to produce up to 2.2 MMtonnes/year of brine during forty years of operation, the amount of CO 2 that can be stored increased by 125%, with a 1.1 CO 2 injection-brine production mass ratio.
The constraints which would limit additional CO 2 storage were the bottomhole pressure limits for the wells 2 to 7, the fracture pressure at the dome 1, the fracture pressure below the caprock in the injection well 3, plus the upper brine production rate limits, and the upper CO 2 injection rate limit for well 8. This implies that the saline aquifer system analysed is likely to store more CO 2 if the brine production and CO 2 injection rates may be increased beyond the values assumed in this study.
